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July 27 (Draft) 
 

The following is a second set of questions submitted by various stakeholders and CRA 
answers to these questions. 
 
Q27.  Provide net generation numbers for the base and change case for the MISO, TVA 
and SOCO areas. 
 
A27. Original response: We do not monitor all tie-lines into these regions in our post-
processing and thus cannot perform the same calculation that we do for the Entergy-SPP 
region. We will review the MAPS outputs to determine if we can provide the aggregate 
amount of generation in the requested regions.  
 
Supplemental response: The table below shows the estimated generation for MISO, TVA 
and SOCO. Please note that the MISO data shown is an approximation and includes all 
of MAPP that is not part of SPP but does not include Saskatchewan or Manitoba.  
 

Generation (GWh) MISO (non-Canada) SOUTHERN TVA
Base Case 2013 687304 261475 185744
Change Case 2013 687851 262426 187292

Load MISO (non-Canada) SOUTHERN TVA
Annual Energy (GWh) 670186 264978 191224  

 
 
Q28. In comparing the 2013 GE MAPS model results, it is observed that generation in 
the Entergy area decreased by 7.2 TWh from the Base Case to the Change Case. This 
generation was replaced by importing additional energy (5.3 TWh) and decreasing 
exports (2.4 TWh). Energy losses increased in the Change Case by approximately 0.485 
TWh. The average cost of the generation that was decremented was approximately 
$57.00/MWh. The average cost of the incremental energy that was imported was 
approximately $48.00/MWh. However, the average lost revenue of the energy that was 
not exported in the Change Case was only approximately $24.00/MWh. This suggests 
that energy was being sold at a loss in the Base Case, and that a significant portion of the 
production cost savings in the Change Case is coming from energy that is not being sold 
or exported. It is a concern that this result is indicating significant export transactions 
with a negative trade benefit in the Base Case. This could possibly be a direct result of 
the two step process for modeling non-firm QF energy. The unit commitment in the first 
step in the Base Case may have over utilized inflexible generation given that it was 
developed under the assumption that there was no QF energy. When the QF energy was 
introduced in the second step in the Base Case, the model may have been required to 
export energy at a negative trade benefit to avoid dump energy. We request that this issue 
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be thoroughly reviewed, as a decrease in exports transactions should represent a loss in 
trade benefits and not a net savings to the exporting area. 
 
A28. Note that corrections made to MAPS Attachments 1-4 since the time of this question 
change the cited figures at the beginning of the question somewhat. The use of average 
price data can mask underlying patterns and thus must be applied carefully. The average 
cost of Entergy region generation in the Base Case is $26.2/MWh, the average import 
purchase price is $36.7/MWh and the average export sale price is $38.3/MWh. The 
average cost of Entergy region generation in the Change Case is $24.4, the average 
import purchase price is $38.2, and the average export sale price is $40.2/MWh. These 
prices do not provide any indication that energy is being mispriced.  
 
The Entergy region generates less in the Change Case, and as a consequence exports less 
and imports more. As would be expected, the Entergy region backs down its more 
expensive units in the Change Case thus decreasing the average cost of generation (by 
$1.73/MWh). As noted elsewhere, the prevailing prices in the Change Case are higher 
than in the Base Case, and thus the average prices for Entergy Change Case exports and 
imports increase as would be expected. That exports go down, but the average price for 
exports goes up appears to be a concern in the question above. This will happen when 
prevailing prices increase in the Change Case. That is, the exports that continue to be 
made in the Change Case are made at higher prices, thus the “decremental average lost 
revenue” appears low. Aside from a general change in price levels, timing differences in 
sales and purchase (e.g., on-peak, off-peak) can drive changes in average prices. Both 
timing differences and changes in prices are calculated on an hourly basis in the MAPS 
model and post-processing and then the results are aggregated.  
 
Regardless, it important to note that there is likely to be a more efficient commitment in 
the Change Case (resulting from reduced hurdle rates and Option #3 for QFs). It is likely 
that improved commitment in the Change Case allows for Entergy region units not to be 
turned on and run less efficiently at or near minimum load – this is one of the benefits of 
the Change Case.  
 
Q29. It is observed that Cleco generation and net schedule interchange increased 
significantly in the Change Case. However, Cleco’s adjusted production cost in the 
Change Case increased when compared to the Base Case as a result. Can CRA explain 
this counter-intuitive result that implies the increased sales by Cleco in the Change Case 
have a net negative trade benefit for the Cleco area? 
 
A29. The adjusted production costs for the Cleco area in 2013 are slightly higher in the 
Change Case despite the increase in the quantity of trade (reduced purchases more than 
offset by increased sales) with SPP/Entergy. While an increased quantity of trade is often 
an indicator of increased trade benefits, the actual prices of the purchases, sales and the 
incremental cost of generation in the region are equally important. While again noting 
that the use of average-type data can mask underlying patterns, the average price of 
Cleco’s 2013 sales increases (+$3.77/MWh) in the Change Case by more than the 
average Cleco generation cost in the Change Case increases (+$2.19/MWh). This 
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indicates that the Cleco region is obtaining additional margins from exporting additional 
generation in the Change Case. However, the increase in Cleco purchase costs 
(+$5.50/MWh) in the Change Case indicates that the higher prevailing prices in and 
around the Cleco region in the Change Case are leading to a displacement of lower-cost 
Base Case purchases with higher cost Change Case generation. These two impacts 
effectively offset one another leading to a slight increase in adjusted production costs. 
Again, the MAPS model and post-processing performs these calculations on an hourly 
basis and then aggregates the results.  
 
 
Q30. Based on the model results received from CRA for the 2013 Base Case and Change 
Case, it is observed that multiple units at the same location were running differently 
between the Base Case and the Change case. A few examples are provided in the table 
below. 
 
UnitPool UnitName Area BaseCapFactor Base Gen(GWh) ChangeCapFactor ChangeGen(GWh) 
CLECO ACADIAEC Calpine Acadia Energy Center CLECO 45.6% 2,318.1 70.1% 3,563.6 
Entergy ACADAEC2 Calpine Acadia Energy Center Entergy Louisiana 59.9% 3,044.2 75.9% 3,857.9 
Entergy UNIONPW1 Union Power - Panda Energy 1 Entergy Arkansas 41.2% 1,984.1 19.0% 913.4 
Entergy UNIONPW2 Union Power - Panda Energy 2 Entergy Arkansas 15.7% 758.6 15.2% 734.1 
Entergy UNIONPW3 Union Power - Panda Energy 3 Entergy Arkansas 8.0% 385.7 13.4% 645.7 
Entergy UNIONPW4 Union Power - Panda Energy 4 Entergy Arkansas 6.5% 315.5 11.6% 556.7 
Entergy CTTNWOD1 Cottonwood CC1 (Intergen) Entergy Texas 48.7% 1,343.5 39.3% 1,085.5 
Entergy CTTNWOD2 Cottonwood CC2 (Intergen) Entergy Texas 46.5% 1,284.0 32.4% 894.1 
Entergy CTTNWOD3 Cottonwood CC3 (Intergen) Louisiana Generating LLC 32.0% 881.8 27.5% 759.2 
Entergy CTTNWOD4 Cottonwood CC4 (Intergen) Louisiana Generating LLC 19.3% 531.5 24.4% 672.6 
 
Please explain why multiple units at the same location would be running differently in the 
Change Case and if/why they are modeled with a different cost structure? 
 
A30. There are two basic reasons: 
.  
1. Area assignments and spinning reserves: Each unit is assigned to an area, such as 
CLECO, LaGen, etc. While the wheeling rates are eliminated in the Change Case, the 
reserve requirements for these areas are still the same. For example, LaGen has to 
provide its own share of spinning reserves. Cottonwood 1 and 2 that are assigned to 
Entergy likely are not providing spinning reserves because the needed spin is being 
provided by other Entergy units. Cottonwood 3 and 4, which are assigned to LaGen, 
likely are providing spinning reserves to LaGen. 
  
2. MAPS Order: When MAPS commits and dispatches the units, it does them in merit 
order. However when the unit characteristics are exactly the same, MAPS chooses them 
in the order they appear in the input files. The four Union Power units have identical 
characteristics (including impacts from transmission) and therefore unit 1 is the most 
preferred by MAPS, followed by unit 2, and so on.  
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Q31. Was the City of Conway load included in the Entergy area? Is Conway a part of the 
149,000 GWh of load plus losses reported for the Entergy bubble?  
 
A31. Yes. 
 
Q32. Based on Attachment 1, energy losses for the Entergy bubble are approximately 
7.7%. Does this value represent transmission plus transformation losses? 
 
A32. See the revised 2013 MAPS Attachment 1 which now correctly reports the energy 
for load in MAPS excluding losses. With the corrected data used, Entergy bubble losses 
are approximately 3.2%. Losses include both transmission and transformer losses.  
 
Q33. Regarding the issue of “uplift” for the merchant units: Entergy observed that there 
are a significant number of start associated with the CCGT units over the year in the 2013 
Base Case and Change Cases. Some of these starts translate to daily and weekly cycling 
of the units. Are all the costs for starting these units reflected in the production cost 
calculation? Please explain why IPP commitment patterns would change so drastically? 
 
A33. Fuel costs, start-up costs, variable O&M costs, and environmental costs associated 
with generation (such as NOx allowance costs) are included in the cost of generation for 
CCGTs. The IPP commitment change is caused by various factors and is hard to isolate. 
Some of these factors may include the elimination of the IPP commitment hurdles, the 
elimination of the wheels that resulted in a different generation pattern (such as base 
load units running more and intermediate load units running less), and different 
transmission congestion patterns caused by the different dispatch.  
 
Q34. In the document “June 18 Conference Call Follow-up.pdf”, CRA confirmed that 
“we do not include uplift revenue in the production costs shown in this attachment.” If 
this is the case, where is the uplift included in the model results? Is this consistent with 
(1) how IPPs would price their energy in the existing bilateral markets and recover these 
costs accordingly and (2) allocation of out-of-merit commitment costs that is typically 
part of a “Day 2” market design? 
 
A34. Uplift revenue is not included in the net benefit data currently shown in MAPS 
Attachment 1, other than in the sub-regional sharing of margins for the IPPs on line 18. 
The production costs of all units, including IPPs, in each region are included in the 
estimate of the change in regional net benefits. Uplift revenues are meant to ensure that 
production costs are recovered, and the approach used already counts all production 
costs. In the sub-regional sharing of regional net benefits between IPPs and load, the IPP 
change in net margins inclusive of uplift are then shared to account for IPP pricing.  
 
Q35. In the June 24, 2010 response to Entergy, CRA indicated that “The $5/MWh 
commitment hurdle in the Base Case will impact the commitment of the units, but the 
actual dispatch, pricing and margins will be the result of the subsequent dispatch of 
committed units.” Does this response also indicate that once an IPP is committed, it will 
recover at least the $5/MWh commitment hurdle over the commitment period?  
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A35. The $5 commitment hurdle means the unit will not be committed unless it is at least 
$5 cheaper than other units without the hurdle. Once committed, it will collect the 
revenue based on the LMP that results from all committed units facing dispatch hurdles. 
As these are separate steps with different hurdles, the IPP may or may not recover the 
$5/MWh commitment hurdle over the commitment period during the dispatch step.  
 
Q36 .  Please describe further how commitment hurdles and dispatch hurdles are applied 
in GE MAPS for cooperative/municipal loads within the Entergy region, how joint 
ownership of units is handled in the commitment process, and how the additional 
$5/MWh Base Case hurdle for Entergy IPPs is applied. 
 
A36. In GE MAPS, commitment and dispatch seams charges are applied only to inter-
regional tie-lines as listed in Table 3 of the GE MAPS Input Assumptions document.  In 
the FERC SPP-Entergy CBA study, seams charges within the greater Entergy/SPP region 
are applied only on tie-lines between SPP, Entergy, CLECO, LAFA, LEPA, LaGen, AECI 
and SMEPA.  Seams charges are not applied inside of these regions, e.g., for cooperative 
and municipal loads that may be embedded within the region.  As such, it is assumed that 
the commitment and dispatch of units to meet the load within each region are jointly 
optimized.  Other than as noted below for cross-seam jointly owned units, the GE MAPS 
commitment and dispatch process does not take into account unit ownership.  
 
In the commitment process, enough capacity must be committed in each region to meet 
each region’s load and reserve sharing requirements (see footnote 7 on page 10 of the 
GE MAPS Input Assumptions document for the requirements).  For jointly owned units 
with a joint owner electrically located outside of the region (i.e., on the other side of a 
tie-line), the following process is applied.  Each region’s share of the jointly-owned unit 
counts toward meeting each region’s commitment requirements.  The commitment 
decision for the jointly-owned unit is based on the sum of the commitment economics of 
each region in proportion to each region’s ownership share.  Because of modeling 
limitations, the commitment hurdle (if any) will apply to the cross-seam region’s 
commitment cost for the jointly owned unit.  Because most cross-seam jointly owned units 
are large baseload units with low fuel costs and thus are nearly always committed, we 
believe this limitation is acceptable.   

 
In the dispatch process, all committed units are subject to dispatch seams charges and 
transmission limitations.  Again because of modeling limitations, a jointly-owned unit 
with a cross-seam regional owner will face a dispatch hurdle in being dispatched to meet 
the load of the cross-seam region.   In the post-processing of the GE MAPS outputs, using 
generation shift factors, the cross-seam region’s share of the jointly-owned unit is netted 
from the tie-line flows into the cross-seam region.  Correspondingly, the cross-seam 
region’s share of the production cost of the jointly-owned unit is included in the cross-
seam region’s aggregate production cost.  
 
The Base Case commitment hurdle for IPPs is handled in a different way than tie-line 
seams charges.  In the commitment process, $5/MWh is added to the cost of the IPPs in 
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determining which units in each region are to be committed through the inclusion of a 
$5/MWh charge on the radial line connecting the IPP to the transmission grid.  As such, 
the IPPs face an $5/MWh adder to their costs in being chosen by the model to be the most 
economic choice for commitment, but face the same commitment hurdles (if any) as all 
other units in their region to be committed to meet external loads.  All else equal, this will 
make the IPPs less likely to be committed.  Once committed, the IPPs are treated the 
same as all other committed units and do not face any additional hurdles in being 
dispatched.   

 
Q37.   Does the IPP sharing of margins for the allocation of benefits between load and 
IPPs within each region on line 18 of MAPS Attachment 1 apply the correct sign? 
 
A37.  Yes, the sign is correct.  It is assumed that the increase in IPP margins is shared 
50/50 between the IPPs and the load in the region.  Thus, if IPP margins increase, the 
IPPs will benefit and the net benefit to load in the region will be the difference between 
this benefit and the total regional benefit.  For example, in 2019, the Entergy IPP 
margins increase by $14 million between the Base and Change Cases.  Thus, in sub-
allocating the Entergy region’s $73 million benefit, $7 million (50% * $14 million) is 
assumed to accrue to the Entergy IPPs, thereby yielding a net benefit to the Entergy load 
of $67 million.   
 
The study makes the assumption that IPPs will participate in the market through a 
mixture of contractual arrangements with utilities on behalf of their native load and 
merchant participation in the energy market.  It is unlikely that merchant plants will fully 
recover their fixed costs if the energy market were the sole source of merchant revenue. 
Merchant plants likely would seek additional revenue through contractual arrangements 
with native load.  CRA does not have any information about the potential nature of such 
contractual arrangements, and thus presumes the 50/50 sharing mechanism noted above. 
 
It is important to note that this assumption is designed to estimate a sub-allocation of 
regional benefits.  Other assumptions could be made.  For example, if the IPPs are 
assumed to be fully contracted with a fixed payment plus variable cost arrangement, the 
IPPs would be shielded from the impact of any change in dispatch or LMPs, and the 
buying load would absorb all of the net benefits (or costs) between the Base and Change 
Case.  If the IPPs are assumed to be not contracted at all and selling output solely at 
LMP, the change in margins would go fully to the IPP with the corresponding payment of 
LMP revenues a cost to the load.   
 
As an example, assume that a region has no imports or exports and that unit generation 
and production costs do not change between the Base and Change Case, but LMPs 
increase.  Since production costs are unchanged, there are no regional benefits.  If the 
IPP margin goes up by $1 because of the higher LMP, the following benefits sub-
allocation could take place:   
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1. No IPP contract:  IPP benefits $1; Load benefits -$1; Overall benefits $0. 
2. Full IPP contract:  IPP benefits $0; Load benefits $0; Overall benefits $0. 
3. 50/50 CRA Assumption:  IPP benefits $0.5; Load benefits -$0.5; Overall benefits $0. 

 
 
Q38. Why do many of the Entergy IPPs have small annual margins on MAPS 
Attachment 2 when there is a $5 commitment hurdle in the Base Case and, moreover, 
these margins would not cover the IPPs’ fixed costs?  
 
A38. As a general matter, low energy margins for a unit result when the unit is at or near 
being on the margin and thus setting the price and/or operating in hours in which the 
price does not recover the units’ production cost.  In a market that is long baseload and 
CC capacity, and CTs do not often run, CCs may not earn much in the energy market.  It 
is likely that, absent a contract with load, that the CC will not recover its fixed costs in 
this type of market.  GE MAPS does not dispatch units to recover fixed costs.  Fixed costs 
are considered sunk for purposes of the GE MAPS dispatch, and GE MAPS will dispatch 
units to yield the lowest total production cost solution.  This can entail individual CCs 
operating at minimum loads for reserve purposes.   To cover this, an uplift payment is 
calculated and added to the IPPs margins so that the unit does not lose money over an 
individual commitment cycle.    
 
GE MAPS commits units for reliability purposes to meet reserve requirements in the most 
economical way.  Because committed units are then subject to different dispatch hurdles, 
the dispatch of the units may not yield positive margins for committed units.   For an IPP 
to be committed despite the $5/MWh Base Case commitment cost adder, it must be 
$5/MWh more economical than the next best non-IPP alternative.   This does not mean 
that the unit must earn $5/MWh, only that overall costs are minimized when this unit is 
committed despite inclusion of the $5/MWh penalty.    

 
For example, as a simplified example, assume that a base set of units selected for 
commitment in a region cost $35/MWh or less, and the choice of the last unit needed to 
be committed in a region to meet reserve requirements in a region are: 1) an IPP with 
“real” costs of $40/MWh plus a $5/MWh adder for a commitment cost of $45/MWh, and 
2) a non-IPP unit with costs of $46/MWh.  The IPP will be selected for commitment, but 
the IPP may end up setting the price for committed units in the dispatch at $40/MWh.  
Thus, the IPP would earn no margin, despite being committed with the $5/MWh hurdle.   
A change in seams charges in the dispatch phase will further impact the potential margin 
seen.  
 
 
Q39. Why do the IPPs in the Entergy region (IPP-5) produce less electricity in the 
Change Case as compared to the Base Case?  CRA mentioned something about a 
constraint hurting the Entergy IPPs and helping the Cleco IPPs but I’d appreciate more 
detail if possible.  For the CCs in Entergy & Cleco, the capacity factors increase the most 
in the 2013 Change Case for Acadia and Evangeline. Why? Acadia and Evangeline units 
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are very similar (technology wise) to other IPPs such as Cottonwood, Union PP, Duke 
Hinds, Duke HotSprings. 
  
A39.  There have been a number of questions similar to the above regarding the 
difference in the dispatch of Entergy/Cleco combined cycle units between the Base and 
Change Cases.  In short, the reason for each unit’s dispatch can be traced to 
transmission constraints (more than 3000 are monitored by MAPS in this area), RMR 
requirements and load pocket interface definitions.  Some of this information is 
confidential, in that it was supplied to CRA under a NDA. We have traced through these 
various units’ dispatch and believe that the model is working correctly subject to the 
defined constraints, RMR requirements and load pocket interface definitions (analysis of 
this issue that included confidential data was discussed with FERC). 
 
For example, certain units are heavily impacted in the negative direction by congestion 
on EES 83: GRIMTZ_WDN and EES 265: GRIWAL_GRIMT.  (Note that EES 83: 
GRIMTZ_WDN is monitoring 4GRIMES 138-4MT.ZION 138 for the loss of 
4GRIMES 138-4WALDEN 138, and EES 265: GRIWAL_GRIMT is monitoring 
4GRIMES 138-4WALDEN 138 for the loss of 4GRIMES 138-4MT.ZION 138.)  But a 
subset of these units has RMR status, which will result in these units running differently 
than the other units.  Conversely, certain units actually benefit from the congestion of 
EES 83: GRIMTZ_WDN and the WOTAB load pocket interface. When these constraints 
bind, these units generate more.  See also the response to Q30. 
  
Q40. Why is it that the Change case results in a loss for Cleco (generally speaking) so 
far? 
 
A40.  See the response to Q29.  Note that by 2019, the annual Cleco trade benefits 
increase to roughly $20 million.  
 
Q41. Why (in general terms) are the average prices higher in the Change case compared 
to the Base Case? Is this because there is enough savings on the infra-marginal units is 
sufficient to produce production cost savings overall but the marginal units are more 
expensive?  Any intuition for why? 
 
A41. We had previously noted  that the higher LMPs in the Change Case are believed to 
be driven by a greater mix of baseload coal and CT energy in the Change Case.   In 
response to further questions at the July 20 stakeholder meeting in Houston we have 
performed an analysis of the cost of the units on the margin in the Base and Change 
Cases.  The results are summarized in the table below.  As highlighted in the bottom 
section, steam coal is on the margin in fewer hours in the Change Case and CT/Steam 
Gas is on the margin in more hours.  This increases the prevailing LMPs in the Change 
Case, although (per the MAPS Attachment 1’s) not the overall costs.  
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Simplified Analysis of Marginal Unit in 2013 MAPS Cases for SPP/Entergy Commitment Pool

1.  From the MAPS Marginal Unit report, find unit type on margin in each hour in the SPP/Entergy Commitment Pool
2.  Calculate average cost per MWh for units of that type in operation in that hour in the Base Case
3.  Derive annual weighted average cost of unit on margin for Base Case and Change Case

Avg Gen
Cost  (b)

Unit Type Base Change Increase ($/MWh)
Steam Coal (Super Critical) 2 0 (2) 24.43
Steam Coal (Sub Critical) 854 561 (293) 25.58
Combined Cycle 2209 2359 150 47.55
Combined Cycle (Duct Firing) 424 279 (145) 49.64
Steam Gas/Oil (Super Critical) 359 297 (62) 67.16
GT 1784 2307 523 78.06
Steam Gas/OilCoal (Sub Critical) 3095 2924 (171) 79.05
Total 8727 8727 0 (a)

Avg Cost of Unit on Margin ($/MWh) 63.71 65.49
Change - Base ($/MWh) 1.78

Unit Type (Aggregated)
Steam Coal 856 561 (295)
Combined Cycle 2633 2638 5
GT/Steam Gas 5238 5528 290

8727 8727 0

(a) - External to the commitment pool was on the margin for 43 hours in 2013
(b) - Base case units in operation used to derive average, Change Case could be slightly different

Hours on the Margin

 
 
 
Q42.  It appears that only approximately 10% of the energy that was displaced in the 
Entergy area was generated in the SPP area while approximately 55% to 60% was picked 
up in the Cleco area and roughly 30 to 35 was picked up in the MISO, TVA, and SOCO 
areas.   The marginal cost of the incremental energy generated in the SPP area appears to 
have a marginal cost of about $6/MWh.    Can you confirm this number?  This seems low 
to us.  
 
A42.  We are not certain how these percentage figures were derived.  Based on MAPS 
Attachment 4, and ignoring the possibility of through flows, it appears that the SPP area 
is supplying about 26% of displaced Entergy generation in 2013 increasing to about 35% 
in 2022.  We understand that the $6/MWh figure cited above was calculated by 
comparing the annual change in generation cost in SPP divided by the annual change in 
SPP generation in 2013 MAPS Attachment A.  The use of average cost data to assess 
incremental costs can mask underlying patterns and thus must be applied carefully.  We 
note that the same annual average calculation in 2022 would yield a figure of $32/MWh.  
Per 2013 MAPS Attachment 3, there is an increase in steam coal generation in SPP in 
the Change Case, partially offset by a decrease CC generation, resulting in a $4 million 
increase in SPP annual production costs.   The average annual incremental cost of the 
additional steam coal generation was approximately $26/MWh.  The partially offsetting 
decline in CC generation has an annual average decremental cost of $51/MWh.  When 
there is an increase in one-type of generation and a decline in another, the overall 
average impact must be applied carefully.  For example, if in a region there were 10 
MWh of additional generation from a source with a cost of $25/MWh, and 5 MWh of less 
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generation from a source with a cost of $50/MWh, the additional “incremental” cost for 
the extra 5 MWh generated in the region would appear to be $0/MWh.  The GE MAPS 
analysis and post-processing is performed using hourly data for each individual unit, and 
then aggregated to calculate annual figures.  
 
Q43.  For the energy that originates in MISO, SOCO and TVA, does the MAPS program 
effectively assume that this is hourly non-firm energy that is arranged bilaterally after the 
day-ahead market is optimized?  Given that those areas are in a separate commitment 
pool, would those external supplies of energy impact the unit commitment for the 
SPP/ETR/CLECO commitment pool?    

A43.  These external regions do not impact the commitment of units in the SPP/Entergy 
commitment pool, nor does the commitment of units in the SPP/Entergy commitment pool 
impact the simultaneous commitment of units in these external regions.  Subsequent to the 
commitment step, all committed units in all regions are dispatched to meet model 
footprint-wide load in the most economical manner subject to transmission constraints 
and dispatch seams charges. 

Q44. Does the GE MAPS program assume that suppliers in the SOCO, TVA and MISO 
areas offer to sell energy at incremental cost?  In other words, are the LMPs at the 
borders of those areas based on the assumption of incremental cost offers from suppliers 
in those areas?         

A44.  The same commitment and dispatch treatment applied in the model for the 
Entergy/SPP region is simultaneously applied for the SOCO, TVA and MISO areas.  The 
LMPs at these borders are based on the incremental cost, taking into account 
transmission constraints, at the defined bus on each tie-line between the regions.  The 
model dispatches the entire model footprint so as to minimize production cost using the 
production cost inputs detailed in the GE MAPS Input Assumptions document.  

Q45.  Please confirm that for the base case, there was effectively a $15 commitment 
hurdle for the Cleco Evangeline unit to make sales into the Entergy area.  

 A45.  As an IPP, the Cleco Evangeline unit faces an additional $5/MWh cost adder in 
the commitment process in GE MAPS in the Base Case.  All units in the Cleco region face 
a $10 commitment seams charge for committing to meet the load in external regions 
(e.g., SPP/Entergy).  Thus, Cleco Evangeline would face a $5/MWh higher cost hurdle 
for committing to meet Entergy or SPP load than other Cleco units.   In combination, this 
would yield a $15 commitment hurdle for the Cleco Evangeline unit to be committed 
solely to meet Entergy load in the Base Case.  Once committed, the unit would face the 
same dispatch seams charges to serve Entergy load as all other Cleco unit.  
 
 


